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Comments of the American Public Gas Association 

 
The American Public Gas Association (“APGA”) is the national, non-profit 

association of publicly-owned natural gas distribution systems. APGA was formed in 
1961 as a non-profit, non-partisan organization, and currently has approximately 730 
members in 36 states. Overall, there are nearly 1,000 municipally-owned systems in the 
U.S., serving more than five million customers. Publicly-owned gas systems are not-for-
profit retail distribution entities that are owned by, and accountable to, the citizens they 
serve. They include municipal gas distribution systems, public utility districts, county 
districts, and other public agencies that have natural gas distribution facilities. According 
to the transmission annual report database on the Pipeline and Hazardous Materials 
Safety Administration’s (PHMSA) website there are 62 municipal gas systems that 
together operate about 2,700 miles of pipe classified as transmission that would be 
directly affected by this proposed rule. In addition, virtually all of APGA’s member 
utilities purchase gas and pay transportation charges to transmission pipelines to deliver 
gas from the producer to the utility for re-delivery to the customer-owners of the 
municipal gas system. The customers of these utilities will pay for whatever costs are 
incurred by their transmission suppliers to comply with this rule. APGA is, therefore, 
vitally interested in this rulemaking. 

General Comments 

Most municipal gas systems have no transmission pipe however PHMSA 
Transmission and Gathering Annual Report data shows there are 62 municipal gas 
systems that together operate about 2,700 miles of pipe classified as transmission. 
Transmission pipe owned by municipal gas utilities is very different from interstate 
transmission pipe – it is typically smaller diameter and lower pressure. The PHMSA 
data shows that more than half the municipally-owned transmission piping is 8 inches or 
less in diameter and 300 miles is between 1 and 4 inches in diameter. 40 miles of 
municipal transmission pipe is plastic. Some of these lines operate below 20 % of 



Comments of the American Public Gas Association 

Page 2 

specified minimum yield stress (SMYS) and are only classified as transmission because 
PHMSA defines any pipeline between a gathering line or storage facility and a 
distribution center regardless of pressure. 
 

In addition, transmission lines operated by distribution utilities are typically 
operated as part of the distribution system. Many are the only source of gas for these 
distribution systems. Few, if any, are “looped.” e.g. have parallel pipelines that might 
allow one line to be shut down for testing without totally cutting off gas flow to the 
distribution system. 

 
40 of the 62 municipal distribution systems having pipe classified as transmission 

do not currently have any high consequence areas (HCA) and therefore are not 
required to develop a written transmission integrity management plan. APGA is 
concerned that PHMSA’s proposed changes may force many of these operators to 
prepare a TIMP plan even if no inspection or other further action is required by the rule. 
For a small distribution system just the cost of preparing a written TIMP plan could be 
prohibitive.  

 
For example, the municipally-owned natural gas utility in Lorimor, IA operates a 2 

inch diameter steel “transmission” line running approximately 5 miles between its 
pipeline supplier and the town of Lorimor. The line has a maximum allowable operating 
pressure (MAOP) of 150 psig. Lorimor’s utility serves 198 customers and had total 
revenues in 2014 of $113,871, over half of which went to Lorimor’s gas supplier. Even 
assuming a consultant could prepare a TIMP plan for Lorimor for 20 to 30 thousand 
dollars, that expense could consume more than half of Lorimor’s annual operating 
budget for its gas utility.  

 
The Lorimor line operates at a faction of one percent of its Specified Minimum 

Yield Stress (SMYS). Most of the provisions in this proposed rule are intended to 
address the risk of a high pressure transmission line rupturing due to damage or 
corrosion, however “transmission” as defined in Part 192 also includes relatively low 
pressure lines that transport gas from a gathering line or storage facility to a distribution 
center. “Distribution center” is not defined, leaving it to the operator and state agency to 
interpret how it applies to specific pipelines like Lorimor’s. In most states, Lorimor’s line 
would not be considered transmission.  

 
It would be costly with little or no safety benefit to apply PHMSA’s proposed rule 

changes to pipelines operating at low stress levels. Even if damaged or corroded, 
pipelines operating below 30% SMYS are unlikely to rupture but rather would start to 
leak and the leak could grow over time rather than suddenly rupture like the pipe in San 
Bruno. While any leak is serious, the current industry practices of odorizing gas and 
performing patrols and leakage surveys has proven effective at finding leaks before the 
leak grows to the point it poses a threat to public safety. Exempting lines under 30% 
SMYS would reduce the cost of the rule without jeopardizing public safety. APGA urges 
PHMSA to limit the proposed changes to pipelines operating over 30% of Specified 
Minimum Yield Stress (SMYS). 
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 Furthermore, while this proposed rule is primarily directed at transmission lines, 
many of the sections of Parts 191 and 192 that PHMSA is proposing to amend apply to 
all pipelines regulated by PHMSA, not just transmission lines. APGA’s specific 
comments below will identify these sections where APGA does not believe it is 
appropriate to apply PHMSA’s proposed amendments to distribution lines. 
 
 In general, some of the newly proposed rules contain specific compliance 
deadlines and the applicability to existing pipelines is clear.  Some of the changes 
PHMSA is proposing are to sections of Part 192 that are retroactive.  The final rule 
needs to clarify which portions of the new requirements will apply retroactively to 
existing pipelines and which will be applied prospectively only to pipelines installed after 
the effective date of this rule. In APGA’s specific comments below APGA points out 
where retroactively applying proposed changes would be inappropriate and urges 
PHMSA to clarify that the changes are not retroactive. 

Specific Comments 

 
Subpart A 
 
§192.3 – Definitions 
 
Distribution Center 
 

PHMSA has proposed to create a new definition of a “Distribution Center” as “a 
location where gas volumes are either metered or have pressure or volume reductions 
prior to delivery to customers through a distribution line.” The only place where the term 
distribution center appears in Part 192 is in the definition of a transmission line. Part of 
the transmission line definition is “a pipeline, other than a gathering line, that: transports 
gas from a gathering line or storage facility to a distribution center …” Substituting the 
proposed distribution center definition into the relevant portion of the transmission line 
definition yields the following: 
 

Transmission line is defined as a pipeline, other than a gathering line, that: 
transports gas from a gathering line or storage facility to a location where gas 
volumes are either metered or have pressure or volume reductions prior to 
delivery to customers through a distribution line... 

 
This would appear to define as a distribution line any pipeline operated by a 

distribution system that operates at a hoop stress below 20% SMYS and is downstream 
of the gate station where gas is received from its supplier, since gas is almost always 
metered at the gate station and often gas pressures are reduced as well.  

 
If it is PHMSA’s intent to exclude from the definition of transmission line all 

pipelines operating below 20% SMYS downstream of a gate station, then APGA 
strongly supports the new definition of a distribution center. Pipelines operating below 
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20 % SMYS are at relatively low risk of the types of failures that the TIMP rule is 
intended to address. The safety of these lines would be more appropriately managed 
under distribution integrity management regulations. 

 
PHMSA could clarify this intent by adding the following to the definition of 

transmission:  “A pipeline that operates at a hoop stress less than 20 percent of SMYS 
and is associated with a distribution system is not a transmission line.” 

 
Should PHMSA elect not to define distribution center as it has proposed or 

should PHMSA not agree with APGA’s interpretation of how that definition would impact 
lines operating below 20% SMYS, APGA strongly encourages PHMSA to modify this 
proposed rule to exempt transmission lines operating below 20% SMYS from these 
proposed requirements. All of the proposed requirements presume that “transmission” 
means lines operating at high stress levels. The proposed rule would provide little if any 
increased safety for lines such as Lorimor, IA that operate at low stress levels but could 
impose enormous costs for a small municipal distribution system. 
 
Moderate Consequence Area (MCA) 
 

PHMSA included in the MCA definition “other principal 4-lane arterial roadway.” 
APGA believes PHMSA intended this to apply to principal arterial roadways with more 
than 4 lanes as well.  

 
The MCA definition could be interpreted that if the PIC touches any portion of the 

roadway right of way the segment is an MCA. That interpretation would put undue 
burden on a utility in areas where its pipelines lay at or near the edge of the public right-
of-way that would not normally contain “persons or property” that would sustain damage 
or loss in the event of a pipeline failure. APGA urges PHMSA to revise (c) to read as 
follows: “…any portion of the pavement of a designated interstate, freeway, 
expressway, and other principal arterial roadway of 4 lanes or more as defined in the 
Federal Highway Administration’s Highway Functional Classification Concepts, Criteria 
and Procedures.” 
 

APGA notes that PHMSA has not proposed to include MCAs in the definition of 
covered segment or covered pipeline segment at §192.903. Under the current definition 
covered segment or covered pipeline segment are only segments of a transmission line 
in an HCA. Since §192.907 only requires operators having a covered pipeline segment 
to develop and follow a written integrity management program, the fact that a segment 
of an operator’s transmission line is in an MCA will not trigger a requirement for that 
operator to develop and follow a written integrity management program. This is 
appropriate because, as noted earlier, just hiring a consultant to write a TIMP plan could 
cost more than some small utility’s annual operating budget. 
 

In addition, since this definition is only used in Subpart O—Gas Transmission 
Pipeline Integrity Management it would be more appropriately placed in §192.903. 
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Transmission Line  
 

PHMSA has proposed to reword the note at the end of the definition of a 
transmission line as follows: 

 
“Note: A large volume customer (factories, power plants, and institutional users 
of gas) may receive similar volumes of gas as a distribution center, and includes 
factories, power plants, and institutional users of gas.” 
 

 APGA is concerned that this change could be interpreted to mean that only 
factories, power plants and institutional users of gas can be large volume customers 
under this definition, whereas the rule as currently written makes clear that these are 
just examples of large volume customers and that other customers that receive similar 
volumes are also large volume customers. APGA suggests PHMSA change the 
parenthetical to read “(for example, factories, power plants, and institutional users of 
gas).” 
 
§ 192.5 Class locations 
 

PHMSA has proposed that records for transmission pipeline documenting class 
locations and demonstrating how an operator determined class locations in accordance 
with this section must be retained for the life of the pipeline. APGA notes that Subpart A 
is retroactive; the required records may not be available for class location changes that 
occurred before the effective date of this rule. 

 
APGA believes the operator should only be required to maintain records to 

documenting the current class location. There is no safety benefit to retaining records of 
the class location of any segment of a transmission pipeline that have been superseded 
by more recent determinations of class location. The operator should only be required to 
have records documenting the current class location of each pipeline segment. 

 
§ 192.8 How are onshore gathering lines and regulated onshore gathering lines 
determined? 

In paragraphs (a) and (b) PHMSA has proposed that each operator must 
determine and maintain records documenting the beginning and endpoints of each 
gathering line and regulated gathering line it operates. 
 

APGA points out that Subpart A is retroactive. The required records may not be 
available for gathering lines constructed before the effective date of this rule. The 
operator should only be required to maintain records documenting the current beginning 
and endpoint of its gathering lines. 
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§ 192.13 What general requirements apply to pipelines regulated under this part? 
 

In paragraph (d) PHMSA has proposed that  
 
“each operator of an onshore gas transmission pipeline must evaluate and 
mitigate, as necessary, risks to the public and environment as an integral part of 
managing pipeline design, construction, operation, maintenance, and integrity, 
including management of change. Each operator of an onshore gas transmission 
pipeline must develop and follow a management of change process, including 
management of change. Each operator of an onshore gas transmission pipeline 
must develop and follow a management of change process, as outlined in 
ASME/ANSI  31.8S, section 11, that addresses technical, design, physical, 
environmental, procedural, operational, maintenance, and organizational 
changes to the pipeline or processes, whether permanent or temporary. A 
management of change process must include the following: reason for change, 
authority for approving changes, analysis of implications, acquisition of required 
work permits, documentation, communication of change to affected parties, time 
limitations, and qualification of staff.” 

 
APGA believes that the first sentence, “…evaluate and mitigate, as necessary, 

risks…” is open-ended and it is not clear if this sentence imposes any additional 
requirements beyond following the other requirements of Part 192.  
 

APGA questions the need for the level of detail PHMSA has proposed for 
management of change processes. Such requirements may be appropriate for large, 
interstate pipeline operators, however for the type of “transmission” lines operated by 
APGA’s members such details are not necessary to ensure safety. These lines typically 
do not have compressor stations, SCADA, control rooms or valves that can be remotely 
operated. There is very little that will change on these pipelines that would trigger a 
management of change process, therefore there is little value in the administrative cost 
of developing and maintaining a management of change process at the level specified 
in the rule. APGA urges PHMSA to limit this requirement to operators that have control 
rooms and compressor stations, as it did with the control room management rules at 
§192.631. 
 
Subparts B, C, D, E, F, & G 
 

APGA notes that PHMSA uses the term “acquire” in regards to certain records. 
This could be interpreted as applying to existing pipelines, even though these Subparts 
are not retroactive. APGA asks PHMSA to confirm that the changes it has proposed to 
Subparts B, C, D, E, F & G only apply to transmission pipelines installed after the 
effective date of this rule. 

 
In addition, APGA questions the safety benefit of retaining qualification records 

for welders and plastic pipe joiners for the lifetime of the pipeline.  
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§192.319   Installation of pipe in a ditch.  
 

PHMSA has proposed to add a new paragraph (d) that would require operators 
to promptly after a ditch for a steel onshore transmission line is backfilled, but not later 
than three months after placing the pipeline in service, the operator must perform an 
assessment to ensure integrity of the coating using direct current voltage gradient 
(DCVG) or alternating current voltage gradient (ACVG).  

 
APGA notes that paragraph (a) of this section is limited to lines operating at a 

hoop stress of 20 percent or more of SMYS. APGA urges PHMSA to apply the same 
limitation to paragraph (d). 

 
Furthermore, APGA notes that municipal operators will not typically possess the 

equipment necessary to perform ACVG or DCVG tests. Complying with this requirement 
will be costly, particularly where vendors must be hired to perform these inspections on 
short lengths of pipe replacement. APGA urges PHMSA to limit this paragraph to 
projects where the construction, repair or replacement results in 1,000 feet or more of 
backfill length along the pipeline as PHMSA has proposed in §192.461(f). 
 
Subpart I 
 
§ 192.461 External corrosion control: Protective coating 
 

PHMSA has proposed a new paragraph (f) that would require operators to 
promptly, but no later than three months after backfill of an onshore transmission 
pipeline ditch following repair or replacement (if the repair or replacement results in 
1,000 feet or more of backfill length along the pipeline), conduct surveys to assess any 
coating damage to ensure integrity of the coating using DCVG or ACVG.  

 
APGA urges PHMSA to apply this requirement only to transmission lines that 

operator at a hoop stress of 20% or more of SMYS. 
 
§ 192.465 External corrosion control: Monitoring and remediation 
 

PHMSA has proposed to amend paragraph (d) to define prompt remedial action 
to repair deficiencies found in corrosion inspections. Remedial action must be 
completed promptly, but no later than the next monitoring interval in § 192.465 or within 
one year, whichever is less.  

 
APGA notes that this will apply to all regulated pipelines, not just transmission 

lines. Under some circumstances remediating inspection deficiencies may be a 
multiyear undertaking so remedial action no later than next monitoring cycle or within 
one year, whichever is less, may not be possible.  For example, if bare or poorly coated 
steel pipe is the cause of low CP readings, a replacement program could take years to 
complete. Similarly, a program to replace bare steel services could be a multi-year 
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effort. APGA urges PHMSA to amend to rule to recognize that prompt initiation of a 
program to address the deficiencies satisfies this requirement. 

 
§192.473   External corrosion control: Interference currents 
 
 PHMSA has proposed to add a new paragraph (c) that will require any operator 
of onshore gas transmission pipelines that are subject to stray currents to include in its 
continuing program to minimize the detrimental effects of such currents: 

(1) Interference surveys for a pipeline system to detect the presence and level of 
any electrical stray current. Interference surveys must be taken on a periodic 
basis including, when there are current flow increases over pipeline segment 
grounding design, from any co-located pipelines, structures, or high voltage 
alternating current (HVAC) power lines, including from additional generation, 
a voltage up rating, additional lines, new or enlarged power substations, new 
pipelines or other structures; 

(2) Analysis of the results of the survey to determine the cause of the 
interference and whether the level could impact the effectiveness of cathodic 
protection; and 

(3) Implementation of remedial actions to protect the pipeline segment from 
detrimental interference currents promptly but no later than six months after 
completion of the survey. 

 
APGA notes that item (1) above is confusing, possibly due to misplaced or extra 

commas. APGA urges PHMSA to limit this requirement to transmission lines in class 3, 
4 and HCA’s that operate at or over 30% SMYS. Pipelines operating at relatively low 
stress levels have little chance of rupturing, therefore there is little benefit to this 
provision. 
 
§ 192.478 Internal corrosion control: Onshore transmission monitoring and 
mitigation 
 

PHMSA has proposed a new section along with 192.710(c)(8)(iii) and 192.935(f) 
that would require operators of onshore transmission pipelines to develop and 
implement a monitoring and mitigation program to identify potentially corrosive 
constituents in the gas being transported and mitigate the corrosive effects. The 
monitoring and mitigation program must include: 

(1) At points where gas with potentially corrosive contaminants enters the 
pipeline, the use of gas quality monitoring equipment to determine the gas 
stream constituents;  
(2) Product sampling, inhibitor injections, in-line cleaning pigging, separators or 
other technology to mitigate the potentially corrosive gas stream constituents;  
(3) Evaluation twice each calendar year, at intervals not to exceed 71⁄2 months, 
of gas stream and liquid quality samples and implementation of adjustments and 
mitigative measures to ensure that potentially corrosive gas stream constituents 
are effectively 
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 APGA objects to this new requirement. The proposed internal corrosion 
monitoring and mitigation requirements will be expensive and provide no safety benefit 
for most APGA members. Most transmission lines operated by distribution operators 
receive clean, dry, pipeline-quality gas from an interstate pipeline and have never 
experienced internal corrosion. Most do not possess gas quality monitoring equipment. 
Removing these requirements for pipelines with no history or prior evidence of internal 
corrosion would not be unsafe, whereas applying this provision to such pipelines would 
not be cost effective.  Transmission pipeline operators should be required to notify any 
other transmission line operator to which they deliver gas if there is an upset at a gas 
processing plant or other condition that results in their delivering corrosive gas or liquid 
to that transmission operator. This information, along with the requirements of existing 
192.475, should be sufficient for most pipelines operated as part of distribution systems. 
 
Subpart J 
 
§ 192.506 Transmission lines: Spike hydrostatic pressure test for existing steel 
pipe with integrity threats 
 

PHMSA has proposed to require each segment of an existing steel pipeline that 
is operated at a hoop stress level of 30% of specified minimum yield strength or more 
and has been found to have integrity threats that cannot be addressed by other means 
such as in-line inspection or direct assessment to be strength tested by a spike 
hydrostatic pressure test to substantiate the proposed MAOP. 
 

APGA points out that an existing steel pipeline will have an actual MAOP, not a 
proposed MAOP. Subpart J is one of the Subparts of Part 192 that is not retroactive, yet 
PHMSA has proposed to place a retroactive requirement in Subpart J. For the sake of 
consistency, APGA suggests this requirement be moved to another Subpart that is 
retroactive, such as Subpart O. 
 
Subpart L 
 
§ 192.607 Verification of pipeline material: Onshore steel transmission pipelines 
 
 PHMSA has proposed to add a new section § 192.607 that will require for each 
segment of onshore, steel, gas transmission pipeline installed before [effective date of 
the final rule] that does not have reliable, traceable, verifiable, and complete material 
documentation records for line pipe, valves, flanges, and components and meets any of 
the following conditions:  

(1) The pipeline is located in a HCA; or  
(2) The pipeline is located in a class 3 or class 4 location. 

 
Each operator must have reliable, traceable, verifiable, and complete records 

documenting the following:  



Comments of the American Public Gas Association 

Page 10 

(1) For line pipe and fittings, records must document diameter, wall thickness, 
grade (yield strength and ultimate tensile strength), chemical composition, seam 
type, coating type, and manufacturing specification.  
(2) For valves, records must document either the applicable standards to which 
the component was manufactured, the manufacturing rating, or the pressure 
rating. For valves with pipe weld ends, records must document the valve material 
grade and weld end bevel condition to ensure compatibility with pipe end 
conditions;  
(3) For flanges, records must document either the applicable standards to which 
the component was manufactured, the manufacturing rating, or the pressure 
rating, and the material grade and weld end bevel condition to ensure 
compatibility with pipe end conditions;  
(4) For components, records must document the applicable standards to which 
the component was manufactured to ensure pressure rating compatibility. 
 

 For any material documentation records for line pipe, valves, flanges, and 
components that are not available, the operator must take the following actions to 
determine and verify the physical characteristics.  

(1) Develop and implement procedures for conducting nondestructive or 
destructive tests, examinations, and assessments for line pipe at all above 
ground locations.  
(2) Develop and implement procedures for conducting destructive tests, 
examinations, and assessments for buried line pipe at all excavations associated 
with replacements or relocations of pipe segments that are removed from 
service.  
(3) Develop and implement procedures for conducting nondestructive or 
destructive tests, examinations, and assessments for buried line pipe at all 
excavations associated with anomaly direct examinations, in situ evaluations, 
repairs, remediations, maintenance, or any other reason for which the pipe 
segment is exposed until completion of the minimum number of excavations as 
follows:  

(i) The operator must define a separate population of undocumented or 
inadequately documented pipeline segments for each unique combination 
of the following attributes: wall thicknesses, grade, manufacturing process, 
pipe manufacturing dates and construction dates.  
(ii) Assessments must be proportionally spaced throughout the pipeline 
segment. Each length of the pipeline segment equal to 10 percent of the 
total length must contain 10 percent of the total number of required 
excavations. For each population defined according to paragraph (d)(3)(i) 
of this section, the minimum number of excavations at which line pipe 
must be tested to verify pipeline material properties is the lesser of the 
following:  

(A) 150 excavations; or  
(B) If the segment is less than 150 miles, a number of excavations 
equal to the population’s pipeline mileage (i.e., one set of properties 
per mile), rounded up to the nearest whole number. The mileage for 
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this calculation is the cumulative mileage of pipeline segments in 
the population without reliable, traceable, verifiable, and complete 
material documentation.  

(iii) At each excavation, tests for material properties must determine 
diameter, wall thickness, yield strength, ultimate tensile strength, Charpy 
vnotch toughness (where required for failure pressure and crack growth 
analysis), chemical properties, seam type, coating type, and must test for 
the presence of stress corrosion cracking, seam cracking, or selective 
seam weld corrosion using ultrasonic inspection, magnetic particle, liquid 
penetrant, or other appropriate non-destructive examination techniques. 
Determination of material property values must associated with 
replacements or relocations of pipe segments that are removed from 
service. conservatively account for measurement inaccuracy and 
uncertainty based upon comparison with destructive test results using 
unity charts.  
(iv) If non-destructive tests are performed to determine strength or 
chemical composition, the operator must use methods, tools, procedures, 
and techniques that have been independently validated by subject matter 
experts in metallurgy and fracture mechanics to produce results that are 
accurate within 10% of the actual value with 95% confidence for strength 
values, within 25% of the actual value with 85% confidence for carbon 
percentage and within 20% of the actual value with 90% confidence for 
manganese, chromium, molybdenum, and vanadium percentage for the 
grade of steel being tested.  
(v) The minimum number of test locations at each excavation or 
aboveground location is based on the number of joints of line pipe 
exposed, as follows:  

(A) 10 joints or less: one set of tests for each joint.  
(B) 11 to 100 joints: one set of tests for each five joints, but not less 
than 10 sets of tests.  
(C) Over 100 joints: one set of tests for each 10 joints, but not less 
than 20 sets of tests.  

(vi) For non-destructive tests, at each test location, a set of material 
properties tests must be conducted at a minimum of five places in each 
circumferential quadrant of the pipe for a minimum total of 20 test readings 
at each pipe cylinder location.  
(vii) For destructive tests, at each test location, a set of materials 
properties tests must be conducted on each circumferential quadrant of a 
test pipe cylinder removed from each location, for a minimum total of four 
tests at each location.  
(viii) If the results of all tests verify that material properties are consistent 
with all available information for each population, then no additional 
excavations are necessary. However, if the test results identify line pipe 
with properties that are not consistent with existing expectations based on 
all available information for each population, then the operator must 
perform tests at additional excavations.  
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(ix) The tests conducted for a single excavation count as one sample.  
(4) For mainline pipeline components other than line pipe, the operator must 
develop and implement procedures for establishing and documenting the ANSI 
rating and material grade (to assure compatibility with pipe ends).  

(i) Materials in compressor stations, meter stations, regulator stations, 
separators, river crossing headers, mainline valve assemblies, operator 
piping, or cross-connections with isolation valves from the mainline 
pipeline are not required to be tested for chemical and mechanical 
properties.  
(ii) Verification of mainline material properties is required for non-line pipe 
components, including but not limited to, valves, flanges, fittings, 
fabricated assemblies, and other pressure retaining components 
appurtenances that are:  

(A) 2-inch nominal diameter and larger; or  
(B) Material grades greater than 42,000 psi (X–42); or  
(C) Appurtenances of any size that are directly installed on the 
pipeline and cannot be isolated from mainline pipeline pressures.  

(iii) Procedures for establishing material properties for non-line pipe 
components where records are inadequate must be based upon 
documented manufacturing specifications. Where specifications are not 
known, usage of manufacturer’s stamped or tagged material pressure 
ratings and material type may be used to establish pressure rating. The 
operator must document the basis of the material properties established 
using such procedures.  

(5) The material properties determined from the destructive or nondestructive 
nondestructive tests required by this section cannot be used to raise the original 
grade or specification of the material, which must be based upon the applicable 
standard referenced in § 192.7.  
(6) If conditions make material verification by the above methods impracticable or 
if the operator chooses to use ‘‘other technology’’ or ‘‘new technology’’ 
(alternative technical evaluation process plan), the operator must notify PHMSA 
at least 180 days in advance of use in accordance with paragraph § 192.624(e) 
of this section. The operator must submit the alternative technical evaluation 
process plan to the Associate Administrator of Pipeline Safety with the 
notification and must obtain a ‘‘no objection letter’’ from the Associate 
Administrator of Pipeline Safety prior to usage of an alternative evaluation 
process. 
 
APGA notes that PHMSA uses the terms “reliable, traceable, verifiable, and 

complete” in many places in this proposed rule, yet neither the rule itself nor the 
preamble provide any explanation or definition of what is meant by these terms. PHMSA 
should provide guidance as to what is required to satisfy these recordkeeping 
requirements. 
 

As PHMSA recognizes in its regulatory impact analysis, obtaining this information 
will be very expensive. In addition, if destructive tests are necessary, cutting out pieces 
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of the pipe carries the potential risk that installing the replacement for the removed pipe 
section will have defects in the weld and/or pipe coating, increasing the risk of failure at 
that location. 
 

Because of the cost and potential increased risk of failure, APGA urges PHMSA 
to limit this requirement to transmission lines operating at a hoop stress over 30% of 
SMYS. Pipelines operating at relatively low stress levels have little chance of rupturing, 
therefore there is little benefit from improving the reliability, traceability, verifiability, and 
completeness of the operator’s records of the pipe material. 
 
§ 192.613 Continuing surveillance. 

 

PHMSA has proposed to add a new paragraph (c) that would require that 

following an extreme weather event such as a hurricane or flood, an earthquake, 

landslide, a natural disaster, or other similar event that has the likelihood of damage to 

infrastructure, an operator must inspect all potentially affected onshore transmission 

pipeline facilities to detect conditions that could adversely affect the safe operation of 

that pipeline. The inspection must commence within 72 hours after the cessation of the 

event, defined as the point in time when the affected area can be safely accessed by 

the personnel and equipment, including availability of personnel and equipment, 

required to perform the inspection, whichever is sooner. 

 

APGA points out that PHMSA’s proposed 192.613(c)(2) regarding the time 

period for commencing the inspection includes the phrase “whichever is sooner” yet it 

offers only one option – 72 hours after the area can be safely accessed and personnel 

and equipment necessary are available. APGA urges PHMSA to remove “whichever is 

sooner” as it is meaningless in this context and could be misconstrued to mean the 

inspection must commence no later than 72 hours even if the area cannot be safely 

accessed or personnel and equipment are not available. 

 

It is critical that the operator be the one to determine when personnel and 

equipment necessary are available to perform the inspection. For transmission lines 

operated by distribution operators, the extreme events that trigger this proposed 

inspection requirement may also cause serious damage to the distribution system that 

are immediately hazardous to the public and require the operator’s immediate attention 

more than inspecting transmission lines. This could include the need for personnel to 

repair damaged distribution lines and restore service to customers who may have lost 

service as a result of the event. Public safety could be jeopardized if the operator was 

forced to pull personnel and equipment away from making the distribution system safe 

in order to inspect a transmission line. APGA urges PHMSA to make clear that it is the 

operator that determines when personnel and equipment are available to inspect the 

transmission line and when the 72 hour time period begins. 
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§ 192.624 Maximum allowable operating pressure verification: Onshore steel 

transmission pipelines. 

 

PHMSA has proposed to require operators to use one of 6 methods to verify the 

MAOP of any transmission pipeline segment that: 

1. Has experienced a reportable incident due to a manufacturing-related defect, 

a construction-, installation-, or fabrication-related defect, or a cracking-

related defect and the pipeline segment is located an HCA, class 3 area, 

class 4 area or an MCA if the pipe segment in the MCA can accommodate 

instrumented inline inspection tools, or 

2. Pressure test records used to establish the MAOP are not reliable, traceable, 

verifiable, and complete and the pipeline is located an HCA, class 3 or class 4 

location, or 

3. The MAOP was established using the “grandfather clause,” i.e. § 192.619(c) 

and is located in and HCA, class 3 area, class 4 area or and MCA if the pipe 

segment in the MCA can accommodate instrumented inline inspection tools. 

. 

 Operators having transmission pipeline segments meeting one of these above 3 

criteria must verify the MAOP of those segments by one of the following methods: 

1. Pressure test, 

2. 20% or more pressure reduction, 

3. Engineering critical assessment, 

4. Pipe replacement, 

5. 9% pressure reduction for segments with potential impact radius less than 

150 feet, 8 inches diameter or less, cannot accommodate in-line inspection 

tools and operate at a hoop stress less than 30% SMYS, or 

6. Alternative methods approved by PHMSA 

 

Operators would have one year to develop and document a plan for completion 

of all required actions, 8 years to verify MAOP on 50% of affected pipeline mileage and 

15 years to complete all MAOP verification. 

 

APGA is concerned that complying with this requirement will be very expensive 

for transmission lines operated by APGA members. Many of these lines are the sole 

source of gas to the distribution system, so shutting down the lines for a pressure test is 

not feasible. Pressure reduction would, in many cases, result in the utility being unable 

to provide gas on cold winter days. 
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APGA urges PHMSA to limit this requirement to transmission lines operating at a 

hoop stress over 30% of SMYS. Pipelines operating at relatively low stress levels have 

little chance of rupturing, therefore there is little benefit from verifying the MAOP using 

any of the above listed methods. It should not apply to transmission lines that are 

classified as transmission because the line goes from a storage facility or gathering line 

to a distribution center rather than the stress level at which the line operates. 

 

Some APGA members may choose method 5, however the requirement for 

frequent patrols and leakage surveys are punitive. Neither patrols nor leakage surveys 

provide any indication that a pipeline is at risk of suddenly rupturing. For small operators 

with few employees these patrols would take resources away from higher safety 

priorities such as replacing at risk distribution lines. There is no benefit from more 

frequent leakage survey or patrols. APGA urges PHMSA to delete these requirements. 

. 

Subpart M 
 
§ 192.710 Pipeline assessments 
 
 PHMSA has proposed to require transmission lines that are in class 3 or 4 areas 
or in an MCA that can accommodate in-line inspection tools to perform pipeline 
assessments within 15 years and every 20 years thereafter. Pipeline assessments can 
be: 

1. In-line inspection, 
2. Pressure test, 
3. Spike pressure test, 
4. Excavation and direct assessment, 
5. Guided wave ultrasonic testing, 
6. Direct assessment, or 
7. Other technologies 

 
For transmission lines operating less than 30% of SMYS that are not piggable 

and not feasible to pressure test the operator may elect to assess external and internal 
corrosion. 

 
APGA is concerned that this provision will be costly with little or no benefit, 

particularly for lines that are classified as transmission only because the line goes from 
a storage facility or gathering line to a distribution center, not due to operating pressure. 
APGA urges PHMSA to only apply this requirement to lines that are classified as 
transmission due to operating stress level, and furthermore, only apply to pipelines that 
operate at a hoop stress of 30% or more of SMYS. Pipelines operating at relatively low 
stress levels have little chance of rupturing, therefore there is little benefit to applying 
this provision to pipeline operating under 30% SMYS. 
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Appendices 
 
Appendix A -- Records Retention Schedule for Transmission Pipelines 

 

PHMSA has proposed to include a new Appendix A to Part 192 titled “Records 

Retention Schedule for Transmission Pipelines,” suggesting the appendix is limited to 

transmission records, however the next sentence reads “Appendix A summarizes the 

part 192 records retention requirements,” suggesting it includes recordkeeping 

requirements for all pipelines. Among the recordkeeping requirements included in the 

appendix is the number of excess flow valves installed under § 192.383. Excess flow 

valves are not installed on transmission lines, only distribution lines. On the other hand, 

Appendix A does not include recordkeeping requirements for Subpart P, Distribution 

Integrity Management Programs. 

 

Furthermore APGA notes that Appendix A introduces entirely new record 

keeping obligations by including retention requirements and/or retention times for 

records that are not required by the regulatory text of Part 192. For example, §192.225 

requires that each welding procedure must be recorded in detail, including the results of 

the qualifying tests and this record retained “whenever the procedure is used”. The 

retention period found in the regulatory text of §192.225 is different from the retention 

period provided in PHMSA’s proposed Appendix A, which would require the record be 

maintained for “the life of the pipeline.” PHMSA’s proposed Appendix A is, therefore, 

inconsistent with the record retention requirement in the regulation itself. There are 

other items listed in Appendix A for which this is also true. There are other items where 

Appendix A specifies a retention period when no retention period is specified in the 

regulation itself. 

 

 If PHMSA elects to retain Appendix A, APGA urges PHMSA to clarify that 

Appendix A is strictly recordkeeping requirements for transmission lines, remove the 

reference to excess flow valves installed under § 192.383, limit the remaining 

recordkeeping requirements to those that are explicitly required by the regulatory text of 

49 CFR Part 192 and ensure that the retention period listed in Appendix A is the same 

as that specified in the regulation itself. 

 

Appendix D to Part 192—Criteria for Cathodic Protection and Determination of 

Measurements 

 

PHMSA has proposed to amend Appendix D to limit operators to using just 2 of 

the 5 criteria for cathodic protection, namely a negative voltage across the structure 

electrolyte boundary of at least 0.85 volt or a minimum negative polarization voltage 
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shift of 100 millivolts. PHMSA has proposed to not as cathodic protection criteria allow a 

negative voltage shift of at least 300 millivolts, E-log-I or net protective current. 

 

APGA points out that Appendix D applies to all pipelines regulated by PHMSA, 

not just transmission and gathering lines. PHMSA’s regulatory impact analysis did not 

include the costs or benefits from applying these changes to distribution lines. APGA 

has reviewed distribution incident reports for the approximately 5 year period between 

1/3/2010 and 4/10/2015. Of the 592 reportable distribution incidents during this period, 

only 16 were caused by corrosion and only 3 of those 16 occurred on pipe that was 

cathodically protected. Those 3 incidents resulted in no fatalities, injuries or damage to 

public property. These were reportable incidents only because in each case the 

operator incurred more than $50,000 in expense to repair the pipeline. It is therefore 

doubtful that the benefits of applying the proposed changes to distribution would exceed 

the cost. 

 

Appendix F—Criteria for Conducting Integrity Assessments Using Guided Wave 

Ultrasonic Testing (GWUT) 

 

APGA applauds PHMSA for including guidelines for Guided Wave technology, 

however the guidance only specifies GUL Wavemaker G3 and G4, which uses 

piezoelectric transducer technology, as acceptable technology.  APGA recommends 

that Magnetostrictive Sensor (MsS) technology also be included as an acceptable 

guided wave technology.  At least one APGA member reported good results using this 

technology for guided wave assessment of an unpiggable segment of transmission line. 

Other Comments 

 

APGA has also reviewed and supports the written comments of the American 

Gas Association. 

APGA appreciates the opportunity to comment on this proposal. Any questions 
concerning these comments should be directed to John Erickson, APGA Vice President, 
Operations (202-464-0834 or jerickson@apga.org). 
 

 

 
 
Bert Kalisch, President and CEO 

mailto:jerickson@apga.org

